Implications of Greater Reliance on Natural Gas for Electricity Generation

which have been low due to U.S. natural gas prices being lower
Building new pipeline than world LNG prices. The pipeline capacity required to replace
capacity is.much eas.;ier that LNG would be of longer mileage, owing to the fact that some
than electric transmission of the LNG import terminals are located closer to market demand

gapactty. SEioiy than would be the domestic production that would replace the
announcement date to LNG

commercial operation
averages three years. Of Adding new interstate natural gas pipeline capacity is relatively
course, pipelines routinely
survey the market via
nonbinding Open Seasons
to assess market interest in
new pipeline capacity.

easy in terms of infrastructure investments. EIA notes that from
announcement date to commercial start of operations averages
three years.”” Many in the electric industry will readily observe
that new electric transmission capacity is much more difficult to
permit or site, attracts much more objection, and can take as
many as ten years to site and construct. That is not to say that
adding capacity is easy everywhere; there are clearly portions of the U.S. where objections have arisen
and delayed projects, such as the Northeast, the Lake Michigan south shore, and other heavily
urbanized areas. And objections seem to be increasing: Rockies Express encountered objections from
rural land owners in Ohio concerned about the location of river crossings and the like.

Figure 12: Total Interregional Pipeline Capacity 1990 to 2008
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Source: Aspen Analysis of EIA data (1991 to 1993 missing from the EIA source data)

2 Found at http://www.eia.doe.gov/pub/oil_gas/natural gas/analysis publications/ngpipeline/develop.html
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According to EIA data, interstate pipeline capacity capable of delivering approximately 53 Bcf per day of
natural gas was added between 1990 and 2008. (See Figure 12.) This is more than in INGAA’s High Case
but less than the 70 Bcf per day that would be required in our case in which all existing coal-fired
generation is replaced with natural gas. (Depending on if or when geologic CCS becomes available,
access to build and finance some of this natural gas delivery capacity might compete with construction
of CO, pipelines.)

The relative ease with which interstate pipeline capacity can be added is a testament to the well-oiled
facilities approval mechanism developed by FERC and clear market signals. Pipelines earn profit, via an
allowed rate of return, on their rate base. More pipe in the ground, if you can sell the space in that pipe,
means more revenue. The pipelines constantly watch market price differentials between regions
(known as “basis” differentials) because the basis differentials measure the value of pipeline capacity
between two locations. Figure 13 provides an example from a recent FERC Office of Market
Enforcement briefing showing regional natural gas wholesale prices and basis differentials. Existing
pipelines as well as potential new entrants watch this data carefully, looking for corridors for which the
basis differential exceeds the cost of constructing additional capacity. Basis differentials will also change
seasonally. Sometimes the winter basis between two locations shoots up dramatically while in summer
the basis is unremarkable. Thus, large basis differentials are an indicator that capacity into a given
region is constrained. Basis can also show when capacity exiting a supply basin in constrained: Rockies
prices have long exhibited this phenomenon and have risen relative to other U.S. prices since Rockies
Express entered service.
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Figure 13: Regional Basis Differentials
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Source: http://www.ferc.gov/market-oversight/mkt-gas/overview/2010/03-2010-ngas-ovr-archive.pdf
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When the value of capacity approaches the cost to add new capacity, the pipelines begin holding what
are known as “Open Seasons.” An Open Season is an invitation to indicate to the pipeline that you are
interested in holding and paying the annual reservation charge for firm capacity. Pipelines frequently
hold Open Seasons just to test the waters, knowing that he who moves first often wins, and they may
approach the market several times over a long period of years before enough shippers commit to
signing contracts to pay for the pipeline.”” When the pipeline calculates that it has enough commitments
that it can make the debt service on financing of the construction cost while earning an acceptable rate
of return on equity, it will apply to the FERC for a Certificate of Public Convenience and Necessity
(CPCN). FERC will conduct any necessary environmental analysis and assess the project for compliance
with FERC rules. Under the “let-the-market-decide” policy adopted in the early 1990s, FERC does not
require all of the capacity to be contracted and it will not choose between competing projects intended
to serve the same markets. Rather, FERC assumes that a pipeline willing to take market risk constitutes
a showing of “need” for the facility and certificates it with appropriate environmental conditions. With
a CPCN in hand and contracts to cover enough capacity to make debt service, obtaining financing is
routine.”

Creation of new delivery points, taps, and laterals to serve new large load is even easier. Notably, FERC
does sometimes require the costs for new facilities to be recovered in what are called “incremental
rates.” Incremental rates cover only the cost of that facility and service using it. Incremental rates are
typically adopted when the addition of the proposed facilities and associated load would increase rates
to all other customers. When the new facilities and load would reduce rates to all other customers FERC
allows the costs to be added to overall rate base.

Different kinds of expansions require different kinds of facilities, implying different magnitudes of cost
and analysis in siting. That is to say that building a wholly new pipeline in new right-of-way is more
complicated than merely adding compression to an existing natural gas pipeline or even building a
second pipeline in an existing right-of-way. Which is required depends on the build conditions of the
existing pipeline. Some existing pipelines have not been completely optimized for maximum throughput
and can achieve higher throughput for little incremental cost. Eventually all the “bell and whistle”
improvements have been done and the next capacity addition can only be achieved by adding new
pipelines and compressors in a potentially new right-of-way. Environmental impacts associated with
construction, in particular, are minimized when previously-disturbed land is used. More river, stream
and highway crossings make a project more expensive.

3 Many of the “potential” projects shown on EIA’s map will not be able to obtain sufficient market commitments
to proceed such that the map alone should not be taken as evidence of the natural gas market being able to add
enough capacity to serve all demand. There are clearly markets today in which customers want gas and cannot get
it because there are not enough such customers to cover the cost of new capacity.

I Projects that are new greenfield pipelines or that parallel existing lines are often undertaken with project
financing in which the lender has no recourse to the sponsor’s balance sheet; the loan is secured entirely with
project revenues. In contrast, projects that represent minor increments of capacity that will be rolled into existing
rates are more likely to be financed with balance sheet capital.
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Adding LDC capacity will vary state to state. State regulatory

Existing coal-fired plants commissions will be anxious about impacts on existing gas

already have access to ratepayers. In addition, while FERC will grant CPCNs with
electric transmission, water, relative ease to add interstate capacity it is not at all clear that
a rail right-of-way and even a the sites on which new gas-fired generation would be located
small gas line to feed are either located close enough to existing gas pipelines or
start-up ignition. We do not along a route that would yield demand sufficient to support

yet know how many would
need to construct longer
laterals to obtain the high It is also worth noting that the contracts firm shippers must
pressure gas transmission
service needed to support a
large gas-fired power plant.

financing.

sign to support financing are typically twenty-year agreements
needed to support a twenty-year financing term. Some

We do know that 60 coal- pipelines will present to their lenders a market study assessing
fired plants are located the potential for long-term market developments with respect
within 25 miles of an under- to throughput, competition from other pipelines, and changes
utilized gas merchant plant. in basis differentials, but lenders do not always require such a

study and the results of the study would virtually never be
used by lenders to support speculative investment.

This raises a related point about site selection. For new, greenfield gas-fired generation, a developer
looks for a location within a few miles of a gas pipeline or large distribution line (greater than 12 to 16
inches) with excess capacity, water for cooling, and a substation into which it can deliver its electrical
output without overloading circuits.” California may not be representative of the rest of the country on
this point, but in a search on behalf of a developer in 2007, very few sites were found to be left available
in the northern two-thirds of the state where all three requirements were present. Existing coal-fired
plants obviously have access to a substation, they undoubtedly have water and they likely even have a
rail right-of-way in which a natural gas pipeline lateral could potentially be constructed. But it is not
clear that a gas transmission line with sufficient excess capacity is located close enough to each plant to
provide gas service.

Aspen has not done for this study a review of each coal plant’s location to determine how far it is to a
natural gas pipeline or if that pipeline has excess capacity currently available.”® As a proxy for that
detailed analysis we have looked at a couple of different areas.

First, recall that the CRS study cited earlier found that 60 coal plants were located with 25 miles of one
of the underutilized merchant NGCC plants. We take that as an indication that gas is accessible within
25 miles — clearly, the NGCC plants are connected to natural gas service. Those plants represent 28% of
generation from existing coal-fired plants.”” Second, we can compare Figure 5 identifying the location of
coal-fired generation to Figure 11 that displays the natural gas transmission grid. Upon inspection, it

A greenfield project site is one at which no prior industrial development has occurred.

’® The CRS study mentioned earlier herein suggested that Congress may want to consider chartering such an
analysis. Op. cit., p. 24.

7 CRS, op. cit., p. 17
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Case Study: South Dakota

South Dakota has about 481
MW of coal-fired generation
located inside the state.
Converting that to natural gas
would increase its gas
requirement by about 30% over
current levels.

But South Dakota imports a
large amount of electricity from
Wyoming and Nebraska, some
coal-fired and some nuclear.

Our analysis assumed utilities
would build gas-fired generation
at the site of the existing coal
plant. That means, first, that
South Dakota’s coal generation
is actually located in Wyoming.
Second, utility managers would
have to figure out how to
replace generation coming from
a different state. If utilities
have to build gas-fired
generation it is not clear that
they would make the decision
to participate in plants at the
same locations, owing to the
relative ease of siting gas-fired
plants and vastly different size
and scale requirements to build
coal-fired generation, among
other things.

appears there are plants along the coast in the Carolinas
that may have trouble with access to gas, as would
Dakota,
northwestern Montana, northern Nevada, central Utah,

northeastern Kansas, western South
northwest New Mexico, the extreme northwestern corner
of Alabama, the Appalachian ridge west of Transco
Pipeline, Maine, Rhode Island (or just across into
Massachusetts), and coastal Virginia. The plants located
in these areas would require more extensive work to the
natural gas pipeline grid in order to provide them with
gas. The best way to make this assessment, of course,
would be with geographic information giving longitude
and latitude for the coal-fired plants and the pipelines.
Such information is not publicly available and access is
subject to Homeland Security constraints.

Third, we have taken the GWh generated with coal in each
state and determined the amount of natural gas that
would be required if the state had to replace that coal-
fired generation with output from a new combined-cycled
gas-fired unit.

Our results are presented in Table 5. The total gas burn
equates to the 14.1 Tcf EG gas burn estimated earlier to
replace the MWh generated with coal. Table 5 shows in
which states the replacement of existing coal-fired
generation would require more gas than the state burns
now. The table is sorted in order of which state uses the
most coal for electricity generation currently. Texas
generated the most MWh with coal so it appears first.
Converting the Texas coal burn to natural gas equates to
25% as much natural gas as Texas burns now. For 16
states located primarily in the Midwest and West,
generating their coal-fired electricity with natural gas
would use more gas than the state uses now — meaning

that converting coal-fired generation to natural gas would more than double that state’s natural gas use.

Table 5 also shows the resulting load factor in a peak demand month for pipeline capacity coming into
each state. This calculation takes natural gas flows into a state in a peak month and adds to it the gas
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demand for converting that state’s coal-fired generation to natural gas.”® Twenty-one states would find
the interstate pipeline capacity coming into their state insufficient to serve existing demand plus the
conversion of coal to gas in their state. Another eight states would have load factors over 80%. These
states are identified in Figure 14. As indicated previously herein, Hawaii and the territories would only

have access to LNG. Alaska has indigenous gas produced in the Cook Inlet but price keeps that supply
from expanding.

78 Of course, one would also like to know the capacity utilization assuming that state and all the others

downstream of it convert to coal, but that calculation would require detailed modeling that is not available to the
author.
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Table 5: Gas Burn by State* if Existing Coal-Fired MW Converted to Natural Gas

Additional Use If Coal Use As % of Pipeline Load Factor
State 2008 Gas Use Existing In-State Coal Current Gas Use Into State If Convert

Converted to Gas Coal to Gas
Texas 3.546 0.893 25% 55%
Ohio 0.792 1.002 126% 130%
Indiana 0.551 0.906 164% 120%
Pennsylvania 0.750 0.861 115% 91%
lllinois 1.001 0.739 74% 126%
Kentucky 0.225 0.694 308% 116%
West Virginia 0.111 0.646 580% 123%
Georgia 0.425 0.614 144% 92%
North Carolina 0.243 0.558 230% 119%
Missouri 0.296 0.497 168% 104%
Michigan 0.779 0.542 70% 119%
Alabama 0.404 0.533 132% 49%
Florida 0.943 0.479 51% 105%
Tennessee 0.230 0.433 188% 68%
Wyoming 0.143 0.259 182% 41%
Wisconsin 0.409 0.299 73% 109%
Arizona 0.400 0.246 62% 104%
South Carolina 0.170 0.272 160% 86%
Oklahoma 0.670 0.241 36% 39%
Utah 0.224 0.214 95% 126%
Colorado 0.505 0.223 44% 76%
Virginia 0.299 0.261 87% 76%
lowa 0.320 0.274 85% 145%
Kansas 0.283 0.230 81% 118%
Minnesota 0.401 0.238 59% 161%
New Mexico 0.247 0.184 75% 49%
North Dakota 0.063 0.179 283% 154%
Maryland 0.196 0.220 112% 76%
Arkansas 0.235 0.166 71% 72%
Louisiana 1.239 0.158 13% 37%
New York 1.180 0.180 15% 93%
Nebraska 0.168 0.134 80% 80%
Nevada 0.265 0.116 44% 111%
Montana 0.076 0.107 140% 131%
Mississippi 0.355 0.113 32% 66%
Massachusetts 0.374 0.075 20% 68%
New Jersey 0.615 0.094 15% 101%
Washington 0.298 0.061 21% 74%
Delaware 0.048 0.045 94% 50%
New Hampshire 0.071 0.026 36% 73%
Connecticut 0.167 0.026 15% 83%
Oregon 0.268 0.025 9% 66%
California 2.450 0.018 1% 66%
South Dakota 0.064 0.020 31% 138%
Hawaii 0.003 0.009 316% N/A
Maine 0.061 0.004 7% 56%
Alaska 0.342 0.005 1% N/A
Idaho 0.089 0.001 1% 115%
Rhode Island 0.089 0.000 0% 82%
Vermont 0.009 0.000 0% 68%
Total 23.09232 14.1214

* States Sorted in Order of Highest to Lowest EG Coal Use, which is NOT shown in the Table
Source: EIA Coal-Fired MW by State and Aspen Analysis
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Figure 14: Interstate Pipeline Capacity Utilization if An Individual State Switched its Coal-Fired Generation to Natural Gas
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Having said that adding natural gas infrastructure is relatively easy, while noting the large investment
required if coal-fired generation switches to gas, requires an additional note. There continues to be talk
of potentially using natural gas as a “bridge fuel.”’”® The notion is that switching to gas would be
temporary, allowing us to reduce reliance on coal until other

technologies were available. While the natural gas industry

is clearly adept at adding new transportation capacity, it is Making the investment

still the case that the costs of these kinds of infrastructure needed to switch all or a
large portion of the coal-fired

fleet to natural gas may
require thinking about
natural gas as more than a
bridge fuel.

investments are recovered over a relatively long period of
time. Most financing or bond payback periods are twenty
years or more. The useful life of a gas-fired power project is
often assumed to be 40 years or more. It may turn out that
these investor and cost recovery expectations are not
compatible with the idea of using natural gas merely as a
bridge fuel. In other words, making the investment needed to switch all or a large portion of the coal-
fired fleet to natural gas may require thinking about natural gas as more than a bridge fuel.

”® For a more recent treatment see Brown, et. al. “Natural Gas: A Bridge to a Low-Carbon Future?” Resources for
the Future, Issue Brief 09-11, December 2009.
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Summary Observations Related to Natural Gas
Transmission Infrastructure

The U.S. is served by 300,000 miles of natural gas transmission capacity.
More than half of it was built more than 40 years ago as the industry grew from a 5 Tcf
market to a 22 Tcf market.

3.  While the market is only 1 Tcf or so bigger than its prior peak in 1972, much new pipeline
capacity has been built since then, primarily to deliver gas from new supply regions or as
markets shifted regionally.

4.  Pipelines are always looking for market opportunities that will justify adding rate base;
obtaining FERC certificate approvals to construct is relatively easy.

5.  Opposition to natural gas pipelines has been limited to highly urbanized, sensitive locations
but appears to be growing.

6. Some pipelines are proposed multiple times and take years before the market will support.

7. INGAA’s Base Case projects 25 Bcf new pipeline capacity will be needed at cost of $129
Billion.

8. Even the INGAA case with demand lower than today’s estimates a need to spend $108
Billion for capacity to move supply from new producing areas.

9. The Alternative 1 Demand Case is similar to INGAA’s High Case but as it is high for different
reasons and may result in different facilities being needed.

10. Scaling up from the INGAA projections to the new gas demand should all existing coal be
converted to gas implies a need for as much as 70 Bcf of new pipeline capacity at a cost of
$3438 Billion.

11. The industry added 53 Bcf of pipeline capacity from 1990 to 2008.

12. Some plants are likely to be served from interstate pipelines and others from LDC systems.

13. Twenty-one states would find the interstate pipeline capacity coming into their state
insufficient to serve existing demand plus demand from their state’s conversion of coal to
gas.

14. Some, but not all, existing coal-fired generation generally looks like it may be located
relatively near existing natural gas pipeline infrastructure; however, a detailed GIS study
should be conducted in order to refine this estimate.

15. Itis not clear that pipeline projects designed to serve those locations would attract
sufficient load to be economic.

16. Making the investment needed to switch all or a large portion of the coal-fired fleet to
natural gas may require thinking about natural gas as more than a bridge fuel.
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Natural Gas Storage

One of the assets the industry will need to add to serve higher EG load is natural gas storage. Gas
storage is very useful in providing flexibility to support gas burns by electric generators. Storage lets a
power plant operator:

e ramp up or ramp down operations quickly;

e manage its imbalances;

e potentially hold less firm pipeline capacity; and
e maintain reliability.

As of April 2009 EIA reported roughly 400 underground gas storage fields in operation.® These fields,
shown in Figure 15, provide 4 Tcf of working gas capacity and a total maximum daily withdrawal
capability of approximately 88 Bcf per day.®' 92% of the fields in current operation are reservoir or
aquifer storage where gas is generally injected during the summer months and withdrawn during winter
to serve seasonal demand (with certain exceptions); 8% are high-deliverability salt cavern facilities.
Most, but not all, of the salt cavern storage is located along the Gulf Coast. Table 6 summarizes the key
characteristics of U.S. natural gas storage.

Table 6: Storage Summary

Type Reservoir/Aquifer Salt Cavern
Characteristic Single Turn Multi-Turn

Owner LDC or Pipeline Independent

User LDC Marketers

Purpose Seasonal Demand® Arbitrage or Daily Peak
Price COS Option Value

Sites 369 31

Working Gas (Bcf) 3,918 173

Maximum Daily Withdrawal (MMcf/d) 74,523 13,703

Source: Aspen Compilation of EIA Data

% This excludes the roughly 100 small LNG needle peaking operations that exist for meeting peak day demands in
specific locations where there is no underground gas storage and pipeline capacity into the region is lower than
peak day demand.

8 Terminology: cushion (sometimes called pad or base gas) is gas intended to stay in the formation to maintain
field pressures sufficient to achieve desired withdrawal levels; working gas is the amount of gas that can be
injected into or withdrawn from the field and still be able to fill it in a given period of time; withdrawal capability is
the amount of gas that can be withdrawn in a given period, usually a day; the withdrawal capability is higher when
the field is filled with more gas and achieves maximum field pressures; injection capability is the amount of gas
that can be injected in a given period, usually a day; the injection capability falls at the field is filled and operating
pressures rise.

¥ Some reservoirs can be configured for multi-turn high-deliverability storage. The Lodi and Wild Goose facilities
in northern California are examples of reservoirs that provide multi-turn storage.
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Figure 15: Geographic Distribution of Underground Gas Storage Facilities
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Most existing storage was built before the trend towards more use of natural gas to generate electricity
and tends to be located where a pipeline or a local distributor chose to build based on the accident of
geology and the economics of revenue recovery.® Pipelines that are not connected to storage tend to
impose stricter balancing rules. Stricter balancing rules make it harder or more costly for electric
generators to operate.

Fundamentally, storage balances demand against production. We use it particularly to allow producers
to operate their wells on a relatively levelized basis: when demand is lower than production, the excess
gas goes into storage. We then withdraw it when demand exceeds production. Figure 16 provides an
illustration of this concept. Storage also allows local demand to be met with gas stored near the load
center, thus reducing the need to size trunkline transmission capacity into the load center large enough
to meet peak day demand. Some types of storage also lend themselves to either medium-term price
arbitrage or to intraday peaking service.®* Another use of storage is to remedy imbalances between
deliveries into a pipeline against the quantity of gas burned by end-users. As explained elsewhere in this
paper, those two quantities often differ. They often differ by fairly large amounts for electric power
plants. When they differ by more than the pipeline operator can address with linepack or offsets by
other shippers, the excess or shortage of gas must be addressed with gas in or out of storage.®

B New storage being added today tends to be added by local distributors who can make incremental investments
to existing facilities or by independent merchant storage providers who charge market-based rates for storage
service assuming several cycles, or turns, of gas are made through the inventory space.

# |t used to be common for summer natural gas prices to be lower than winter prices; thus, LDCs would purchase
gas under levelized take contracts and store the excess gas until winter. Even recognizing the carrying cost on the
inventory, consumers routinely benefited from these transactions. With the kind of price volatility that exists
today, however, that can result in winter prices being lower than summer prices, these seasonal transactions
cannot be sure to provide price benefits. Instead, we see marketers using short-term storage to capture the
intrinsic and extrinsic, or real option value of storage. The intrinsic value is based on the cost of spot gas today
versus today’s forward value. One can buy gas, inject into storage, and assure a profit spread by locking in today
the sale upon withdrawal. The extrinsic value is based on changes one might realize due to the future movement
of prices until the gas is withdrawn, e.g., actual spot prices being higher or lower than the purchase price or the
locked-in forward price on the day of purchase.

& Linepack is an amount of “extra” gas in a pipeline or distribution line relative to maximum anticipated load. It
can be increased by using a compressor to squeeze a line’s gas molecules more closely together. Gas distribution
companies routinely pack their lines at night or in advance of predicted cold weather to meet higher demand in
the morning when furnaces and hot water heaters are more heavily used. Linepack can be thought of as a
system’s first form of temporary gas storage.
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Figure 16: How Storage Balances Seasonal Demand with Monthly Production®®
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Electricity generators can benefit
from multi-turn storage by
subscribing, for example, to
enough storage to meet its total
gas requirements for the five
days that might be the maximum
likely interruption in the case of a
gas curtailment. The generator
could use the space to inject or
withdraw gas to cover its daily
imbalances or for price arbitrage
in the meantime. Multi-turn
storage costs more, but most of
the costs are fixed, so the more
times the generator cycles gas in
and out, the lower the amortized
cost per MMBtu.

Three different types of geologic formations are used to
provide storage service: a) depleted oil or gas reservoirs, b)
underground aquifers, or c) salt formations. The different
formation types are depicted using different types of marker
symbols in Figure 15: the stars are depleted reservoirs,
triangles are aquifers and circles are salt caverns.

As a general rule depleted reservoir or aquifer storage
operates on a single-turn basis in which the reservoir is filled
over the course of the summer and the gas is withdrawn
over the course of the winter. Reservoirs that can operate at
higher field pressures can be fitted with additional injection
compressors or withdrawal wells to provide multi-turn
service, but most of the reservoir storage in operation today
is single-turn storage that is filled and drained once over the

course of a calendar year. This storage tends to be used

¥ Note that the injections do not exactly equal the withdrawals; this difference ends up as left-over gas inventory
at the start of the next annual cycle. This outcome is not that uncommon.
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most by local distributors or pipelines and is priced on a cost-of-service basis.

Salt formation storage, either salt cavern or salt dome, can withstand higher operating pressures and
therefore operates on a multi-turn basis.?’ It is most often developed by merchant storage providers
who seek an unregulated rate of return and price the service on a value-of-service basis, meaning
market-based rather than cost-based rates if they can show no ability to exercise market power.
Storage that is more flexible is of greater use to electric generators, but investors providing merchant
storage understand the value of their service and are in business to capture that value from customers.

Figure 15 shows that storage is not evenly distributed, either geographically or relative to demand
around the country. Most storage is used relatively close to the region in which it is located, and
geology does not always provide sites where they are needed. Certain pipelines and regional markets
currently don’t have access to underground gas storage at all.
Figure 15 plainly shows that Nevada, Idaho and Arizona have Figure 15 shows areas without
none. The Central Plains states and Missouri have virtually easy access to underground gas
none. The entire east coast has none other than far upstream storage to include:

in western New York, western Pennsylvania and West

Virginia. (The above-ground storage tanks at the LNG  Central Plains states (except

terminals located at Elba Island, Georgia; Cove Point, Kzimsas).

) e Missouri
Maryland; and Everett, Massachusetts do provide some BN Wisconsin
important storage peaking benefits but are operated more for e Arizona
the benefit of the LNG tanker and regasification schedule e Nevada
management than to provide storage service to pipeline e Idaho
shippers. These facilities are not shown in Figure 15 in any e Southeastern states

e Most of Mid-Atlantic

case.) To the extent that there is a small amount of storage in
the Southeast, Figure 15 shows that none of it is in the
eastern coastal states.®®

Northeastern states

As can be seen in Table 7, roughly one-third of U.S. gas storage is located in the Midwest, virtually all in
reservoir storage; of 121 Midwest storage facilities, 2 are salt caverns or domes. The two salt caverns
are located in Michigan along with 43 reservoir fields; together Michigan possesses more than half the
region’s total withdrawal capability. lllinois has 29 sites, but they are much smaller fields, on average,
offering only 6 Bcf of combined withdrawal capability. Indiana has almost as many fields but they are
even smaller, adding to provide less than 1 Bcf combined withdrawal capability. Ohio’s fields are
captured in the Midwest totals but are all in the eastern half of the state.

¥ To reiterate, single-turn storage is used to inject and withdraw generally once per year; multi-turn storage
allows several cycles of injections and withdrawals over the course of the year. Reservoir storage is generally
single-turn storage, but certain reservoirs can be developed to provide multi-turn service. Salt cavern storage
generally provides multi-turn service.

% The states without storage now are largely without the depleted reservoirs or salt formations that can
economically be turned into storage.
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Table 7: Storage Working Inventory and Daily Deliverability Capability by Region

Total By Region

Average Field Size

Number
Region of Sites
Central 49
Midwest 121
Northeast 110
Southeast 33
Southwest 66
West 20

Total (Avg) 399

Working
Gas
Inventory

Bcf

557
1,200
796
195
1,040
303

4,091

Working

Daily Gas Daily
Deliverability Inventory Deliverability
MMcf per day Bcf MMcf per day
6,224 11 127

28,524 10 236

15,203 7 138

6,850 6 208

23,203 16 352

8,222 15 411

88,226 10 221

Source: Aspen Analysis of EIA Data

The average salt cavern/dome facility is twice as large as the average reservoir storage facility. They
tend to cost roughly 20% more to develop than reservoir storage. They contain gas at much higher
pressure, allowing greater deliverability from a smaller inventory. They also require virtually no cushion
gas. A downside is that the caverns are created by dissolving the salt in water. This creates a brine that
must be disposed of properly. Development of some potential sites has been foregone due to the

disposal issue.

Pipelines that appear to have no
access to storage along long
portions of their route include:

Southern Natural
Transco

Iroquois

Maritimes & Northeast
Alliance

Northern Border
Trailblazer
Transwestern

El Paso Natural Gas

Florida Gas Transmission
Kern River Gas Transmission

Gas Transmission Northwest

Williston Basin Pipeline

Virtually all of these pipelines
would end up with new gas-fired
load if utilities had to switch

existing coal over to gas.

In very rough terms, the 4 Tcf of working capacity versus total
natural gas demand of 23 Tcf implies a nearly 6:1 ratio of
annual market demand to storage working gas capacity.
Crudely applying this ratio to a 31 Tcf market implies the
nation needs 5.4 Tcf of working storage capacity, or that we
need to add 1.4 Tcf to existing storage working capacity in
order to maintain the current ratio between total demand
and storage working capacity. The idea that this ratio must
be maintained may be overly simplistic because we know that
the industry has served this level of demand before, with far
less storage; storage working capacity in 1972, when U.S.
demand last reached the 23 Tcf range, was approximately
2.4 Tcf.

Another approach would be to look at growth in storage
relative to the shift towards greater use of gas for electric
generation over the last ten or so years. Over that period, EG
demand grew from 5.34 Tcf in 2001 to 6.85 in 2008, or
approximately 1.5 Tcf. Storage working capacity, in that
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period, grew by only about 0.3 Tcf. Applying that implied relationship to a projected EG demand
increase of say, 8 Tcf, also yields an estimate of 1.4 Tcf more storage needed to support higher EG gas
burns. Of course, both these approaches assume existing storage is adequate to serve existing gas-fired
EG demand, which may not be true. At an average working gas field size of 11 Bcf, that translates to 127
new gas storage fields needing to be added.

Notably, ICF’s 2009 study on behalf of INGAA, estimated 2030 natural gas EG demand in a base case
4 Tcf higher than today’s and a high case EG demand 8.1 Tcf higher than today. The associated
increases in storage working capacity are 0.45 Tcf and 0.6 Tcf, far lower than the ratios calculated above
imply the industry might need. The National Petroleum Council’s 2003 study “Balancing Natural Gas
Policy” projected a need for 1 Tcf of storage to meet higher demand by 2030, some 0.7 Tcf of which they
estimated needed to be new storage additions after optimizing use of existing capacity.* Note that
because storage cannot necessarily be built where the new demand will be located, additional storage
necessitates additional pipeline capacity in order fill that storage and deliver from it to local distribution
company citygates.”

Given that storage provides electric generators with more flexibility this study considered how close
existing coal-fired units are to underground gas storage. The data publicly accessible to answer this
guestion is rudimentary in that it is only identifies the county in which the storage facility is located.
Using that as an inexact proxy for distance between a coal-fired unit and a gas storage facility, Figure 17
identifies the coal-fired units for which a gas storage facility is located in the same county. Aspen’s
count is that approximately 70 coal-fired plants are located in the same county as an underground gas
storage facility. A more refined estimate should be developed using facility-specific geo-positioning
satellite data.

¥ Volume V, Transmission and Distribution Task Group Report, p. T-55.
90 . . . . . . . . .
A citygate is an interconnection between a pipeline and a local distribution company.
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Figure 17: Existing Coal-Fired Generation Located In Same County as Underground Gas Storage

US Counties with Coal-fired Power Plants
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Cost to Build and Use Storage

ICF’s INGAA study estimated its forecast storage additions to cost $4.0 to $5.2 billion, respectively. The

estimate was based on 2007 costs for actual storage projects built between 1997 and 2007, with costs

other than cushion gas escalated from 2007 at 2% per year.” Scaling up from the 0.45 and 0.6 Tcf ICF

found needed, implies a cost for additional storage working capacity of $8.9 Billion per Tcf added,
although costs will differ by field type. The 1.4 Tcf additional
storage working capacity estimated herein translates to a

Thei h f
€ impact that useGISISEES capital cost of $12.5 Billion.

or subscribing to more firm
pipeline capacity will have on Black & Veatch (B&V) did a study released in late 2009 (but
utility electricity rates depends
on how those costs change
the utility’s weighted average

actually done in 2007 for the California Energy Commission’s
Public Interest Energy Research Program) that contained
capital cost estimates for storage. B&V looked at costs for

cost of gas (WACOG). ) ) ] ] ] ]

relatively recent storage projects in California. These reservoir
To convert $ per MMBtu to projects are configured for high-deliverability, multi-turn use.
cents per kWh on a ballpark B&V came up with a capital cost, again excluding cushion gas,
basis, multiply the WACOG by of $37 million for an 8 Bcf working gas, three-turn per year
the utility’s system’s average field. Ignoring the multi-turn aspect, this translates to
heat rate per MWh and divide $4.6 Billion per Tcf added, or $6.5 Billion for the 1.4 Tcf
by 1000. estimated here as needed.

A $1 per MMBLtu increase in
the WAOCG for a utility with a
10 MMBtu per MWh heat rate

will change rates by $0.01 per _ _ i o
KWh equipment, distance to interstate pipeline or LDC lateral cost

Note again that costs to develop storage are unique to the
reservoir or salt formation and the optimal combination of
injection compressors, withdrawal wells, dehydration

and so forth.

A natural gas storage user would evaluate the costs to use storage as shown in the example presented in
Table 8. The table works out the cost per MMBtu for both single-turn reservoir storage and high-
deliverability storage. There are essentially four fees associated with use of storage: a) reservation
charge; b) injection charge; c) withdrawal charge; and d) compressor fuel charge. The reservation
charge to “rent” or reserve the storage space is paid once, for each MMBtu of space reserved. In the
example, the provider of simple reservoir charges $0.40 per Dth per month to reserve storage space.
The high deliverability storage costs more than twice that, $1.00 per Dth.”

The next two fees are for injection and withdrawal. The provider charges an additional fee is paid for
every MMBtu the customer injects into the storage inventory space and again for every MMBtu later
withdrawn. In the example the injection and withdrawal fees shown are the same for both injection

L |ICF INGAA, page 73.

92 A 2004 FERC report entitled “Current State of and Issues Concerning Underground Gas Storage” reviewed tariff
filings for jurisdictional storage facilities (p. 34). It found 100% load factor rates ranging from $0.21 per MMBtu to
$0.96 per MMBtu. This wide range is indicative of how the different field characteristics and equipment
configurations affect consumer cost.
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and withdrawal and for the two types of storage: $0.02 per Dth. This is not always true, as some
providers will have incurred slightly different costs in terms of the number of withdrawal wells or
injection compressors installed. The key point is that there is usually a big annual fee to rent the space
and then a small fee for entry and exit.

Now suppose the customer is a 500 MW NGCC that wants to reserve inventory space to satisfy 5 days
worth of gas requirements. That unit, operating all 24 hours per day at an assumed heat rate of
7 MMBtu per MWh would consume 84,000 MMBtu per day.”> 5 days worth of gas would be
420,000 MMBtu. For reservoir storage, the annual reservation fee for inventory space would add up to
$2 million. (An annual reservation fee is paid each year, regardless of whether the space ends up being
used or not.) For the reservoir storage, the customer’s gas will be injected over the 180 days of summer
(April 1 to October 31) and withdrawn during the 120 days of the winter season (November 31 to March
31) — basically the customer is going to pay 2 cents to inject 420,000 MMBtu (spread over a 180-day
period) and then 2 cents for each MMBtu as it is withdrawn. Spreading the reservation charge and the
injection and withdrawal charges over the 420,000 MMBtu creates an average cost per Dth to use the
reservoir single cycle storage of $4.84 per Dth. If the customer reserved 420,000 MMBtu of inventory
space but only injected 15,000, its reservation charge would remain unchanged, but its total injection
and withdrawal fees would be lower.

Switching over to the high deliverability storage, the annual reservation fee for the same 420,000 Dth of
inventory space works out to $5 million. This time the customer might put the 420,000 MMBtu (recall
that a Dth and MMBtu are equivalent) in and withdraw it five times per year. That means that the
customer spreads the $5 million over 420,000 MMBtu. It still has to pay the 2 cents for every MMBtu
injected and every MMBtu withdrawn. The total cost averaged over using the 420,000 MMBtu of space
five times is $2.41 per MMBtu. The other charge listed was the compressor fuel charge. It is usually
delivered “in-kind,” meaning that the customer delivers enough extra gas to cover that needed to run
the injection compressor. Some providers will roll this into the injection charge.

% 500 MW * 7 MMBtu/MWh *24 hours = 84,000 MMBtu
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Table 8: lllustration of Consumer Costs to Use Underground Gas Storage

Assumption Reservoir High
Deliverability
Annual Reservation Charge ($ per Dth per Month) $0.40 $1.00
Injection Fee $0.02 $0.02
Withdrawal Fee $0.02 $0.02
Compressor Fuel® 1% 1%
No. Days of Injection to Fill Inventory 180 20
No. Days of Withdrawal to Deplete Inventory 120 10
No. of Cycles per Year 1 3to5

Assume Reserve 5 days Worth of Supply (420,000 MMBtu per
Day) Inventory Capacity

Total Fixed Cost $2,017,105 $5,042,763
Total Variable Cost $16,800 $16,800
Average Cost per MMBtu $4.84 $2.41

Source: Aspen Analysis

A further example will illustrate the implications for an electric generator. Assume the same 500 MW
unit with a heat rate of 7 MMBtu per MWh, resulting in a daily gas requirement of 84,000 MMBtu per
day. Assume again that the unit purchases enough inventory to meet its full 24-hour gas requirement
for five days, or 420,000 MMBtu. Different storage providers may offer service at substantially different
fees, owing to the unique characteristics of the facilities they own, how they have structured their
services and how their respective regulators allow them to recover costs for storage service. Table 9
shows the inventory, injection and withdrawal charges for three large gas local distribution companies
with fairly large amounts of underground storage that they offer to customers, including electric
generators, in three different regions of the country: Pacific Gas and Electric Company, Union Gas of
Ontario, and Dominion People’s.95

In the example of the electric generator reserving 420,000 MMBtu, the reservation charge for the same
quantity provided by these three representative companies differs hugely: $680,000 for PG&E versus
$3.3 million for the same quantity of space from Dominion. PG&E doesn’t have an injection or
withdrawal fee (nor does Union Gas) but Dominion’s is a nickel per MMBtu injected or withdrawn. The
cost for reserving and using a single cycle on PG&E works out to $1.62 per MMBtu but nearly $8 per

* The compressor fuel is excluded from the calculation for the sake of computational simplicity. It would be
charged typically as a % of the MMBtu injected. Some providers allow it, like pipeline compressor fuel, to be paid
with an in-kind delivery of additional gas molecules while others require a cash payment. The cost of the fuel or
value of the cash payment will vary as the price of natural gas varies.

% Union Gas does sell storage service to U.S. customers from its vast storage pool at Dawn Hub located in and
around Windsor, Ontario.
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MMBtu on Dominion. There is no a one-size-fits-all for the fees electric generators will incur to use
storage: they vary considerably and generators will have to learn to “do the math.”

The illustration highlights not only how different effective per Dth storage costs are going to be to
different electric generators, depending on the costs of the storage they can access, but that the annual
fixed costs for even a small amount of storage inventory amount to several million dollars per year and
represent a significant commitment on the part of the generator.

Table 9: Effective Cost of Storage

PG&E Union Gas Dominion
Inventory Charge (per Dth) $ 0.135 $ 0.538 $ 0.650
Resulting Annual Reservation Fee $ 680,400 $ 2,580,000 $ 3,276,000
Injection (per Dth) n/a n/a $ 0.05
Withdrawal (per Dth) n/a n/a $ 0.05
Effective Cost per Dth® Single Cycle $ 1.62 $ 6.14 $ 7.90
Effective Cost for Five Cycles $ 0.32 $ 1.23 $ 1.58

Source: Aspen Analysis of Utility Tariffs

Impediments to Adding Storage

Storage that connects directly to an interstate pipeline is subject to FERC jurisdiction. FERC applies to
storage the same “let the market decide” policy that it applies to pipeline capacity: having some of the
capacity contracted combined with an applicant willing to bear the remaining financial risk is sufficient
to win FERC certification. A relatively easy showing of market alternatives to storage allows FERC to find
that the applicant cannot exercise market power so that the project can charge market-based rates.
Since 2000, FERC has certificated more than 76 projects for a combined 860 Bcf of new working gas
capacity. %

Still, the number of storage facilities added in the years post-Order No. 636 and since establishing
general parameters for allowing market-based rates is not overwhelming. Convincing subscribers to
commit to pay market-based rates for multi-turn storage is not be as easy as it may look — the rates
entail a significant commitment to pay firm reservation charges and are high enough that using the
capacity for a single turn is typically not economic.”® Not only does the cost to use storage add to a
utility’s overall cost of gas, but the cost of the gas stored imposes a carrying cost and risk that prices will
have changed between the time the gas is purchased and injected and when it is used. The opportunity
to cycle provides flexibility but it must be managed carefully to determine when to cycle versus when to
trade imbalances, when to sell excess gas into the market instead of storing it versus when to rely on

% This is the effective 100% load factor cost assuming one cycle.
7 http://www.ferc.gov/industries/gas/indus-act/storage/certificated.pdf
% Multi-turn storage allows the user to inject gas in and withdraw it repeatedly during a year.
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short-term “park and loan” services.” It takes a sophisticated user to manage multi-turn storage in a
way that assures an economic benefit to the buyer. Electric utilities or generators managing a single or
only a few gas-fired units are not typically well-positioned in terms of staff or institutional experience to
closely manage multi-turn storage in a volatile price environment.

In addition, geology matters.'®

It takes the right kind of permeability to create field pressures that can
operate at economic levels of injection and withdrawal while minimizing the amount of cushion gas that
must remain in the field year-round. Investors have been looking for a suitable field, for example, along
the Kern River pipeline that runs from southwestern Wyoming through Utah and Nevada to southern
California since the pipeline entered service in 1993. Whether the old Ten Section field in California’s

Kern County will finally be configured to work properly and gain market acceptance remains to be seen.

Local opposition has stalled natural gas storage development in some places. Difficulty disposing of salt
brine is one reason. A salt cavern project in Arizona just outside Luke Air Force Base resulted in state
law temporarily prohibiting storage development. Opponents argued that the compressor building and
wells were too close to the runway for safety and feared that an aircraft hitting the building would ignite
the storage facility. A project in suburban south Sacramento has attracted local neighborhood
opposition that gas could leak from the storage field and catch fire or explode. Two separate fires
lasting many days at PG&E’s McDonald Island facility in 1974 and 1993, as well as leaks from Southern
California Gas fields at Whittier, Montebello and Playa del Vista, along with the highly visible August
2004 fire that burned for 6 days in Moss Bluff, Texas, increase resident concerns.'”

Projects that get certificated don’t necessarily proceed to construction. FERC won’t require a developer
to have sold all of its capacity before granting a certificate but project finance lenders will want enough
of the capacity subscribed to demonstrate that revenues will be more than sufficient to cover debt
service. Even in Florida, which with its dramatically increased gas use and its role there in electric
generation, a certificated project at Indiantown for above-ground LNG tanks has not proceeded to

construction because it cannot obtain enough subscriptions to its inventory capacity.102

% Ppark and loan can be thought of as short-term storage; some pipelines offer it as a discretionary service on an
interruptible basis, meaning that if they have capacity to allow the short-term storage they will and if they don’t,
they won't.

190 1t should not escape notice that some of the same geologic formations used to storage natural gas
underground are potential sequestration sites for CO,.

1°1Weatherwax, R. and Weatherwax M., “California Natural Gas Storage Incidents: A Contemporary History of
Incidents,” Sierra Energy and Risk Assessment, Inc., 2007. Storage fields that produced both oil and gas seem to
pose higher risk than ones that produced only gas, both in terms of contributing to the incident and the
environmental consequences of the incident.

1% Floridian Gas Storage won its FERC certificate in 2008 with an expected in-service date of 2011. As of March
2009 construction had not begun and there is no update on the company website indicating when construction
will begin.
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In a 2004 presentation to NARUC, independent storage provider Encana noted that most storage in the
U.S. and Canada had been built during the “dramatic” growth period of the industry from 1950 to 1970.
In planning for the future it advised that:
“New storage will be increasingly:
in poorer quality reservoirs
farther from ideal locations
using higher cost cushion gas

and therefore more costly to develop and provide service.”
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Summary Observations Related to Gas Storage

Storage is used by different market segments for different purposes.
Different types of storage suit the intended use of different market segments.
Geology limits opportunities to build storage where the market would prefer it;
accordingly, storage is not distributed evenly across the country and most of it is reservoir-
based.

4.  Areas without much storage include: Nevada, Idaho and Arizona, the Central Plains states,
Missouri and virtually the entire East Coast (except far upstream in western New York,
western Pennsylvania and West Virginia).

5.  Pipelines that have little access to storage include: Florida Gas Transmission, Kern River
Gas Transmission, Southern Natural, Transco, Iroquois, Maritimes & Northeast, Alliance,
Gas Transmission Northwest, Northern Border, Trailblazer, Transwestern, El Paso Natural
Gas, and Williston Basin Pipeline.

6. Some high deliverability storage is reservoir-based but most is provided via salt caverns.

7. The capital costs to build new storage are field- and cavern-specific, varying with geology,
field or cavern pressure and the configuration of injection compressors, withdrawal wells
and other equipment selected to optimize project economics.

8.  Greater reliance on natural gas to produce electricity means we need more storage and
more flexible storage.

9. Scaling storage up to meet double the current EG demand implies a need to add 1.4 Tcf of
storage.

10. A recent study for INGAA found a need to add 0.45 to 0.6 Tcf of storage at a cost of
approximately $8.9 Billion per Tcf. Adding 1.4 Tcf would thus cost close to $12.5 Billion.

11. The annual fixed costs for even a small amount of storage inventory can amount to several
million dollars per year and represent a significant financial commitment on the part of the
generator.

12. Electric utilities or generators managing a single or only a few gas-fired units are not
typically well-positioned in terms of staff or institutional experience to closely manage
multi-turn storage in a volatile price environment.
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Operational Considerations

Several operational realities need to be considered as we contemplate additional use of natural gas to
generate electricity. First is the general disconnect between the way the unbundled natural gas system
works versus independently-controlled electricity markets. Second is that during circumstances
demanding interruption (otherwise known as curtailment) of natural gas supplies, large customers
(including electric generators) are among the first asked to curtail consumption. Third is the risk of
natural disasters such as hurricanes that can strike the Gulf of Mexico and cause large decreases in
domestic production.

Nominations and Balancing

Other than in Canada’s Province of Ontario, the North American gas system doesn’t make it easy to be
an electric generator. Ontario is the exception, having made a decision to replace its coal-fired
generation with natural gas. It has worked over the last seven years to develop tariffs, services and rules
to allow its electric generators greater flexibility. These innovative services were developed as a result
of a proceeding conducted by the Ontario Energy Board known as the Natural Gas Electricity Interface
Review (NGEIR). If the U.S. seriously intends to use natural gas as a bridge fuel until more renewables or
CCS are available or if we simply require conversion of the coal-fired fleet to natural gas, the entire U.S.
transmission and distribution system needs to look seriously at the approach used in Ontario. Notably,
that approach relies on the vast amount of natural gas storage that exists in and around Union Gas’
Dawn Hub.

Issues include the fact that the “gas day” doesn’t match the “electricity day.” The gas day begins at
9:00 A.M. Central Clock Time (CCT). The gas industry nominates natural gas a day ahead using four
nomination windows (except in Ontario where Union Gas allows 13 and TransCanada offers a service
that allows 96 nomination windows per day).'® Table 10 shows the four nomination windows agreed
upon by the industry via the North American Energy Standards Board (NAESB). Some pipelines have
“no-bump” rules. A no-bump rule means that nominations later in the gas day cannot “bump” earlier
nominations, even if they were from a shipper with interruptible capacity. In other words, it prevents a
firm shipper who does not nominate all of their firm capacity in the Timely nomination window from
bumping the interruptible customer who nominated to use that available capacity in a subsequent
period. It effectively means that a firm shipper who does not nominate to use all of their firm capacity
when they submit a nomination in the first cycle of the day are not guaranteed access to it in the later
nomination windows of the cycle.

The cycle’s initial gas nominations are due in the morning the day ahead of consumption, but the
generators in competitively-dispatched electricity markets will only generally know how much gas the
unit will need until they get dispatch orders, often in the afternoon of the day-ahead. Even then,
ambient temperature conditions can change the efficiency of a gas-fired unit or actual electricity

1% A nomination for gas can be thought of as placing an order for delivery. It is notification to the pipeline and to

the supplier of how much gas it should expect to receive for a shippers’ account and how much gas that shipper
should burn at a facility.
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requirements the next day such that the actual gas burn is different than the amount of gas the
generator “ordered” from the pipeline. A difference between what the shipper caused to be delivered
into the pipeline versus what it accepted at its meter and burned is called an “imbalance.” Shippers who
deliver more gas than they burn can cause the pipeline operating pressure to exceed maximum design
levels. Shippers who deliver less gas than they burn can cause the pipeline operating pressure to drop
too low. (Even when the sum of over-deliveries or under-deliveries do not cause an operating problem,
per se, leaving too much gas on the pipeline or taking too much out of it is effectively using the pipeline
as storage.) On most, but not all pipelines, balancing is measured daily, with a tolerance. The tolerance
is often 10% of monthly usage and is available because of the ability to “pack and draft” a gas pipeline,
and depends on how much storage is connected to the pipeline system and/or that the pipeline

%% Similarly, the fact that gas moves through a high pressure

operator retains for managing imbalances.
pipeline at a speed of about 30 miles per hour means that an operator can give shippers more time to

manage imbalances if storage is more closely located.

Imbalances outside tolerance must be resolved. Most pipelines allow shippers to trade their imbalances
with other shippers. When that isn’t feasible, they must usually be managed using storage. There are
also what are called “cash out” provisions under which a

10% of monthly usage is shipper may sell its imbalance to the pipeline or buy gas to
roughly 3 days worth of gas: make up an under-delivery from the pipeline. Most
pipelines also have provisions imposing penalties for failing

* =
0.1 * 30 days = 3 days to resolve a balance outside tolerance. Penalties vary by

At a speed of 30 miles an pipeline but can be several times the prevailing commodity
hour, gas from 2,160 miles price of gas. Pipelines often also impose an additional
away could reach a customer charge for having “over-pulled” or “under-pulled” that is
in those same 3 days. Many separate from the imbalance charge. A shipper who
pipelines require users to take contacts the pipeline and gets his over-pull or under-pull
gas in even hourly increments. authorized will usually face a different charge than one who

does so on an unauthorized basis. Finally, pipelines and
some LDCs can call what are called “Operational Flow Orders,” or OFOs. An OFO directs all shippers who
are out of balance to get into balance immediately or otherwise immediately imposes penalties on all
imbalances.

Some pipelines, usually those without storage connected to their systems, require hourly balancing.
Even pipelines that do not require hourly balancing will have a requirement that gas be delivered and
taken in even hourly increments, usually 1/24™ of a shippers’ maximum daily delivery. Again, pipelines
connected to storage are more likely to offer more flexibility. The sum result of all these provisions is
that shippers who will bring a variable quantity of gas onto the system or whose takes vary day-to-day
(like electric generators) have to pay special attention to managing their imbalances.

1%% pack and draft refers to the ability to use compression to pack gas molecules closer together in the pipeline and

alternatively, the ability to reduce pressure and spread the molecules apart. Pipeline operators use this as their
degree of freedom in managing the system.
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LDCs often offer more flexibility than a pipeline because of the diverse load on their systems and the
fact that they tend to be network systems in contrast to interstate pipelines that tend to be trunklines.
LDCs, however, often have rate structures in which large customers subsidize the rates of smaller
customers or other public goods charges are added to the rates. A generator may be able to get more
flexibility from an LDC but will pay a premium for it.

Union Gas, in Ontario, offers 13 nomination windows (9 additional plus the four shown below in Table
10) so that electric generators have more opportunities to match their usage with what they deliver into
the system. TransCanada Pipelines Limited, also responding to the NGEIR, offers the ability to change
nominations every 15 minutes. It does so only at delivery points in which load is connected to a single
meter taking gas off the pipeline which it says is necessary in order for it to manage the system. Union
Gas also offers specialized services that allow generators the ability to balance a few hours additional
gas each day, for an additional fee.

Table 10: North American Energy Standards Board Gas Nominating Windows

Nomination Hour CCT Day

Timely 11:30 AM Day PRIOR to gas flow

Evening 6:00 PM Day PRIOR to gas flow

Intraday 1 10:00 AM Day OF gas flow, effective @ 5pm Day OF
Intraday 2 5:00 PM Day OF gas flow, effective @9pm Day OF

Source: Aspen Compilation

Some U.S. pipelines have moved to daily or hourly balancing unless the shipper buys an enhanced
service. A survey of 10+ interstate pipelines’ balancing provisions confirms that the provisions vary
widely, as shown in Table 11. Certainly there is a sense that more constrained provisions arise when
the pipeline has less physical flexibility to manage imbalances or when the pipeline does not have a
storage service it wants to sell: priced to cause sufficient pain, more constrained balancing provisions
push shippers to purchase storage.
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Table 11: Interstate Pipeline Balancing Periods

Pipeline

Balancing Period

El Paso Natural Gas Company (EPNG)

ANR Pipeline Company (ANR)

Florida Gas Transmission (FGT)

Texas Eastern Transmission Corporation (TETCO)
Transcontinental Gas Pipeline Company (Transco)
Dominion Transmission Company

Kern River Gas Transmission (KRGT)

Trunkline Gas Company

Panhandle Eastern Corp

Columbia Gas Transmission Company (TCO)

Hourly unless buy Firm Daily Balancing Service
Daily unless buy Enhancement Service

Monthly

Daily

Daily

Monthly

Daily

Daily unless aggregate imbalance all shippers < 10%
Daily unless aggregate imbalance all shippers < 10%
Monthly

Northern Natural Gas Company Unclear, rate charged to monthly out-of-balance volumes

Source: Aspen Analysis

Curtailment

Akin to water that flows seeking its lowest altitude spot, natural gas “moves” from higher pressure to
lower pressure locations. Any valve open to a lower pressure circumstance will allow gas to flow. When
the pressure inside a pipeline drops to the same pressure as at open valve, the molecules will “float” in
place and stop flowing towards the valve. Pipeline and LDC operators will seek to curtail service to end-
users before this condition occurs. LDC gas control employees are taught to avoid letting low pressure
“float” conditions occur not only because they view their mission critical duty as being to keep homes
warm, but also because restoring service means crews must go neighborhood-by-neighborhood and
house-to-house, closing distribution valves and then reopening at each meter, relighting pilot lights as
necessary, as they restore service. In some cases they may need to purge distribution lines of air. It is
time intensive, expensive, inconvenient to home owners, and a burden on crews of a much more
massive scale than electric service restoration. It is therefore avoided at all costs.

The alternative implemented by gas system operators is to invoke call-ahead curtailments of a few large
gas users who have knowledgeable staff on-site and who can curtail their own use of gas before the line
pressures drop precipitously low. In many situations, that one-call customer with a knowledgeable staff
on-site traditionally has been a gas-fired power plant. In addition, there are locations today in which
year-round firm capacity is either not available to existing gas-fired power projects or where it would
not be available to a new gas-fired power project. Sometimes these projects rely on residual fuel oil or
propane for back-up; in other instances they simply shut down. Calculations of new capacity
requirements in this report undoubtedly do not consider changes like this that existing gas-fired
generators might prefer to allow them to operate more securely.

On the interstate pipelines, firm is firm. That is to say that except with regard to a no-bump rule or
circumstances that plagued the El Paso Natural Gas system because of its failure to expand its system as
commitments to “full requirements” customers grew, when a shipper commits to a reservation change
for firm capacity, FERC requires the pipeline to honor that commitment except in a force majeure
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1.1 But because

situation which is one generally caused by an emergency outside the pipeline’s contro
LDCs have to protect service to “human needs” customers and maintain the integrity of their gas main

operating pressures, they tend to use a different standard. '

The National Association of Regulatory Utility Commissioners (NARUC) published in 2005 a technical

assistance brief prepared by the Institute of Public Utilities at Michigan State University reviewing state
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curtailment rules. The review is based on a survey of state utility regulatory commissions; 31

commissions responded to the survey. The following findings are salient:

All 31 states responding to the survey provide some
authority for either the state commission or the
Governor to respond to a natural gas shortage.
More put that authority with the Governor than the
Commission; in many cases the authority is
collaborative.

Where there is an adopted curtailment order the
order varies considerably by state; the emphasis is
generally on protecting service to residential
customers.

About a third of the states don’t require the LDCs to
file a gas curtailment plan. Of those that do there is
no required periodic update to the plans or rules.
Only about a third of the states that responded hold
docketed hearings to review the plans.

Any inability to get gas is not
properly called a curtailment.
Customers who choose to
hold interruptible
transportation rights explicitly
choose to bear the risk of
interruption when gas
supplies are tight. But LDCs
that need to curtail will tend to
call upon electric generators
to curtail even if they have
firm service because they are
large loads that can protect
service to many other gas
customers.

e Only a third of the states specify the end-use
curtailment rules in the LDC tariffs.

1 Full Requirements service is often offered to smaller utilities, which are often municipal utilities, and may be

less able to predict their usage because it doesn’t make sense for them to hire the staff to maintain the analytic
data and forecast demand with a high degree of accuracy. The service is a hold-over from the days when pipelines
purchased gas on behalf of their customers and sold it on a bundled basis with transportation service. While FERC
does not generally allow pipeline to sell natural gas today (known as the “merchant function”), some independent
gas marketers will offer Full Requirements service under which the supplier delivers to the customer whatever its
gas requirements turn out to be. That supplier will usually have reviewed the customer’s historical load data and
the service agreement will specify a maximum delivery quantity set high enough that it will never be exceeded; the
supplier then holds the interstate transportation capacity needed to consummate delivery. Certain of the
pipelines, among them El Paso Natural Gas (EPNG), provided a transportation-only analog to their smaller
customers in which the pipeline is committed to deliver to the customer whatever amount of natural gas the
customer delivers into the pipeline. In the early 2000’s EPNG was ordered to convert its full requirements
customers to fixed capacity entitlements.

1% \We know of no source that compiles further information about the frequency and duration of LDC
curtailments. Disallowing service to customers using interruptible capacity is not a curtailment of service, by
definition, either on an LDC system or an interstate pipeline.

197 |nstitute of Public Utilities, “NARUC Inventory on Gas Curtailment Planning,” April 2005.
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e Some states, about a third of respondents, require a customer to have alternate fuel capability
in order to select interruptible LDC service.'®

e Most of the Commissions have authority to prescribe specific actions by the LDCs during a
shortage whether there is a plan on file or not.

e Only four of the states have examined the impact to electricity generation from a gas
curtailment.

o Half the states understand that electric generators often do not hold firm interstate pipeline
capacity.

e No state indicated that gas utilized for electricity generation would receive priority during a gas
curtailment; in fact half the states said that electric generators with non-firm gas transportation
contracts definitely would be curtailed prior to other users (the others either didn’t respond or

didn’t know).

In some states, gas-fired electric generation has been

More than half the states
responding to NARUC's survey
realized that electric
generators with non-firm gas
transportation contracts
would have their service cut
first, but only four states have
examined the impact to
electric generators from a
curtailment. Only some states
require a generator to have

installed with alternate fuel capability.”® This occurred
largely because those specific locations were known at the
time of construction to not have sufficient access to natural
gas. Such alternate fuel capacity is typically diesel fuel or
residual fuel oil. Those petroleum products cost more and
have higher emissions than natural gas. Adding alternate fuel
capability increases construction cost and facilities must be
added to handle the fuel on-site. A small amount of on-site
liquid fuel storage is typically built. Often, containment
berms are required around those storage tanks. No

cost-effective way to store the few days worth of natural gas
that most contingency plans call for is available that we know
of. In some instances it may be possible to add small peaking

alternate fuel capability in
order to select interruptible
transportation.

plants that liquefy natural gas and hold it for a peak day or to
truck in LNG. AGL Resources owns LNG peaking plants near
Macon, Georgia and Chattanooga, Tennessee that can deliver 70,000 and 90,000 MMBtu, respectively,
into the local pipeline system. Nonetheless, if the U.S. is to rely on ever increasing amounts of natural

108 . S T . . . .
State commissions could also presumably order jurisdictional electric generators to subscribe to firm interstate

transportation in order to protect transportation priority upstream of the LDC. They would not have that authority
over municipal generators, of course, or unregulated “merchant” generators.

199 While the Power Plant and Industrial Fuel Use Act of 1978 was largely repealed in 1987, it still requires that new
natural gas-fired baseload power plants self-certify to the Secretary of Energy that they can burn coal or another
alternate fuel as a primary fuel source. The requirement applies only to plants in the lower-48 states and District
of Columbia. A baseload unit is defined as having a capacity factor of 40% or higher. The self-certification must
merely confirm that the proposed gas-fired plant “(i) has sufficient inherent design characteristics to permit the
addition of equipment (including all necessary pollution devices) necessary to render such electric powerplant
capable of using coal or another alternate fuel as its primary energy source; and (ii) Is not physically, structurally,
or technologically precluded from using coal or another alternate fuel as its primary energy source.” See Public
Law No. 100-42 and 10 CFR 501.60, 61. Gas-fired plants with back-up fuel capability appear to have it to protect
against interruption of supply and not because of the Fuel Use Act.
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gas for electricity generation, states will need to revisit their curtailment rules in order to maintain the

reliability of electricity.

Curtailments can happen for another reason that likely needs some revisiting should utilities need to

switch large portions of their generation fleet over to natural gas.
When a customer signs up for service on an interstate pipeline,
they specify what is known as a Maximum Daily Quantity, or
MDQ. The fixed reservation charge that customer pays is based
on the capacity reserved for its use as specified by the MDQ. The
customer is not allowed to take more gas than the space
reserved under its MDQ will allow it to transport. The customer
would have analyzed various cost versus risk tradeoffs when it
selected its MDQ. Many customers, naturally, will not want to
reserve and pay for the extra capacity that they will only use for
1 day perhaps every 8 years when very cold weather occurs. But
now suppose that extreme cold weather does occur. The
pipeline may, with a penalty charge, allow the customer to pull
from the pipeline more natural gas than her share (her share

A municipal utility located in
the Midwest curtailed
deliveries to its own gas-fired
power plant during a cold
shap in order to preserve
deliveries to its other natural
gas end-users. The limiting
factor was not a curtailment
called by the interstate
pipeline but rather was the
utility’s MDQ on the pipeline.
Increasing MDQs to obtain
certainty of enough gas to

protect electric generation
reliability will cost electric
utilities and their customers
more in pipeline demand
charges.

being the amount reserved in the MDQ). But then again, the
pipeline may not; it may not be able to due to the need to honor
the MDQs of other customers who are also experiencing higher-
than-normal demands.

Suppose this customer were a local utility serving both gas

end-users and the power plant that utility uses to deliver

electricity to those same gas end-users. Gas demand shoots up above the amount it can obtain,
pursuant to its MDQ, from the pipeline. What does the combined utility do in this case? Virtually all
would choose to curtail gas deliveries to their power plant so that they could protect service to local
end-users. If we are to truly switch coal-fired generation to natural gas, utilities all over the country will
need to revisit their MDQs, the analysis that they performed in selecting those MDQs and the risk/cost
tradeoff embodied in choosing an MDQ that is lower than total requirements on a very cold day.
Holding the higher level of interstate pipeline capacity to preserve access to natural gas under extreme
conditions and enable the utility to continue generating electricity using natural gas will impose higher
costs on electricity and natural gas end-users.
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Hurricane Risk to Supply and Prices
Hurricanes striking the U.S. coast in the Gulf of Mexico can damage production facilities and create risk

119 10 Bcf per day, which is approximately 20% of U.S. domestic

to both natural gas prices and supply.
production and 15% of U.S. average day requirements, comes from low-lying areas of the Gulf Coast or
offshore. As even relatively minor or tropical storms approach,

the crews working on the Gulf’s 4,000 platforms are evacuated. The roughly 8 Befd of gas

They close safety valves to assure that no oil or gas can spill or supply shut-in due during

escape should facilities be damaged, thus shutting-in and immediately after
production as they leave. The platforms are connected via Katrina was enough to meet
more than 33,000 miles of sub-sea pipelines to onshore about 13% of U.S. daily
infrastructure consisting of surface-level piping, valves, average demand.

metering stations and compressors. Key facilities include 47

natural gas processing plants and 17 gas liquids fractionation plants that are located in coastal counties.
In addition, Henry Hub, which is not only the physical location used to clear the NYMEX gas futures
market but is the physical interconnection of four intrastate and five interstate pipelines sites is located
quite near the coast. Tropical storms and less intense hurricanes simply cause a couple of days
interruption to production and attendant price spikes as traders use virtually any excuse to bid up
prices.

While most storms cause little damage beyond the inevitable price run up that occurs in advance of the
storm, intense hurricanes can cause damage to production, processing and off-shore delivery
infrastructure such that as crews return to the rigs repairs must be made before production can be
restored. Hurricane Katrina destroyed 44 platforms and damaged 20 more. Four days after Katrina,
most Gulf offshore production—representing about 13% of U.S. daily average gas demand—remained
shut in. Sabine Pipeline declared force majeure on deliveries and because the control room at Henry
Hub was underwater (no gas could flow) and trading of the NYMEX futures contract was suspended as
physical delivery of gas under futures contracts occurs at Henry.""" Several other pipelines declared
force majeure on portions of their lines or at specific delivery points; however, situation reports and
assessments from the Department of Energy and EIA show that none shut down completely. More than
36 large diameter pipelines in Federal waters were damaged and 8 gas processing plants remained
closed. A week later, half of Gulf offshore production (about 4 Bcf) remained shut-in. Repair crews

1% Reductions in supply due to well freeze offs (which occur under very cold conditions in which the water

produced in association with gas freezes in the top of the wellhead, blocking production) can also occur. Wells in
areas that expect freezing weather are built to withstand this. Wells in parts of Texas, Louisiana and locations
where cold weather occurs seldom do from time to time experience freeze offs. The last reportedly occurred in
2007 and took out 1.5 Bcfd of production. An outage of that magnitude could be expected to be overcome with
gas from storage. Another potential source of disruptions arises from earthquakes. Natural gas pipelines in known
earthquake zones are engineered to withstand shaking. Pipelines built in the Midwest or East in zones with little
recent seismic activity may not be. Sandia National Laboratory is reported to have a study underway to evaluate
this risk.

" Force Majeure is the term used in contracts to indicate a major event beyond any party’s control. An explosion
of a pipeline is beyond the control of shippers and the pipeline and thus is considered a force majeure event.
Most contracts will give examples of what constitutes force majeure under that particular contract.
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were impeded by lack of access to boats, crews, divers, and other equipment, lack of electric power, lack
of access to transportation fuels needed to travel to facilities in the hurricane impact zone and long lead
time required for delivery of repair materials and components such as custom-built valves or flanges. As
shown in Table 12, a month later 3.5 Bcf was still shut-in. The day after Hurricane Rita’s landfall on
September 24, the shut-in quantity had returned to 8.0 Bcf per day. When Minerals and Management
Service issued its final shut-in statistics report eight months after the hurricanes, a total of nearly 1 Tcf
of gas that otherwise would have been available for production instead had been shut-in and was

112

unavailable to the market. Figure 18 shows the asymptotic approach of Gulf production to

pre-hurricane levels.

Table 12: 2005 and 2008 Hurricane Oil and Gas Damage Summary

Platforms Outages
Landfall Destroyed Damaged Max Day 30-day +
Katrina 8/29/2005 44 20 8.3 Bcfd 3.5 Bcfd
Rita 9/24/2005 69 32 8.0 Bcfd 5.5 Bcfd
Gustav 9/1/2008 n/a n/a 7.1 Bcefd 3 Bcfd
ke 9/13/2008 60 124 7.3 Befd 3 Befd

If the resource portfolio relies on more natural gas, then our ability to provide electricity is at risk when
natural gas supply is disrupted. Other fuels do not appear to impose this risk."* Yet in the 2005
hurricane incident what also happened is that electricity and natural gas demand declined. Comparing
natural gas demand to natural gas production using monthly data (daily data is not publicly available) in
Figure 19 shows that demand actually dropped by more than the supply lost such that there was little
net negative impact beyond the price volatility.

121 Tcf in a 23 Tcf annual market is 4.35% of the market and somewhere between one-quarter to one-third of the

guantity the industry likes to see in storage inventory at the start of each winter.

B The platforms destroyed or damaged apply to both Ike and Gustav together. EIA reported the platforms
damaged and destroyed for hurricanes Gustav and ke on a combined basis likely because damage assessments for
Gustav were still underway when lke arrived.

" n fact, coal is delivered in advance to most electric power plants such that they maintain a 30-day or more
average supply on site. Single facility natural gas storage has not proven itself cost-effective.

Aspen Environmental Group Page 80



Implications of Greater Reliance on Natural Gas for Electricity Generation

Figure 18: Hurricane Impact on Production
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Source: U.S. Department of Energy, “Impact of the 2005 Hurricanes.”

But that is not the end of the story. The lack of recorded demand in the EIA data may be not because
there was no “demand,” but because there was no “consumption” as the hurricane completely
disrupted normal life. In other words, the recorded consumption data does not capture demand that
would have been served absent the disruption. Florida issued an emergency order allowing gas-fired
plants with alternate fuel capability to burn those fuels even if it violated their air permits; South
Carolina curtailed some interruptible customers with alternate fuel capability and allowed its pipeline to
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purchase higher-priced replacement gas for customers who wished it to do so.”~ Yet our search has

returned no other published reports of gas service being curtailed.

To the contrary, post-hurricane review reports make no mention of consumer curtailments associated
with shut-in Gulf production.'”® Even the Situation Reports published each day for some months after

> Florida Department of Environmental Protection, “Emergency Authorization for Deviation From Permit and

Certification Requirements at Power Plant Facilities Made Necessary by Hurricane Katrina,” OGC No. 05-2068,
September 1, 2005; and Public Service Commission of South Carolina, Docket NO. 2005-261-G, Order No. 2005-483,
September 8, 2005. Florida has long been gas constrained such that power plants there have alternate fuel
capability; the gas-fired “merchant” fleet constructed elsewhere, however, generally does not have alternate fuel
capability except in specific instances where lenders required it due to insufficient local natural gas access.

118 see, for example, Department of Energy, “Impact of the 2005 Hurricanes” found at:
http://www.fossil.energy.gov/programs/oilgas/publications/naturalgas general/hurricane report05.pdf, or
Energy and Environmental Analysis, “Hurricane Damage to Natural Gas Infrastructure and its Impact on the U.S.
Natural Gas Market,” sponsored by The Energy Foundation, found at:
http://www.ef.org/documents/hurricanereport_final.pdf
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the hurricanes noted which pipelines were experiencing interruptions, the number of electricity
customers still without power, and which refineries were and were not able to operate, but none of
them mention customers without natural gas other than with respect to Entergy in flooded-out New
Orleans.'”” Perhaps remarkably, the largest interruption to Gulf Coast production likely to occur appears

to have not resulted in disruption to natural gas deliveries.

The National Infrastructure Simulation and Analysis Center

(NISAC) at Sandia National Laboratory also has done an
analysis of access to natural gas after a major hurricane.
The Sandia analysis concluded that enough natural gas was

NISAC’s conclusion that
hurricanes pose little risk to
end-user natural gas

deliveries does not consider
the impacts should we switch
existing coal to gas or the
specific locations of new gas-
fired power plants relative to
the specific pipeline receipt
and deliver points that could
be affected.

available from storage to offset production limitations post-
hurricane. It notes further that “what happened in the
aftermath of Hurricanes Katrina and Rita there was
relatively little disruption to the current consumption of
natural gas, but that shut-in offshore wells means that gas
was not being produced and [thus not] put into storage.”''®
Were coal-fired plants switched to natural gas, some of
those plants would likely be located in areas in which
natural gas was unavailable after the hurricane. (Figure 5
shows several plants located along the coast between New Orleans and Pensacola, for example.) For
this reason, NISAC should conduct a more detailed analysis in which it looks at precise receipt and
delivery points at which gas might or might not be available relative to utility citygates and potential
coal-fired power plants and determine which are upstream versus downstream of storage in order

complete its findings.

w Electricity was disrupted due to some plant damage but mostly due to substation and line damage. Refineries
had to wait for electricity to operate. Some disruption to gasoline supplies occurred as the refineries assessed
damage, made repairs and waited for electricity to operate the key petroleum products pipelines used to deliver
product from refineries to local market tank farms. These disruptions were not a function of lack of access to
natural gas.

18 Ellison, J. “Modeling the U.S. Natural Gas Network,” Sandia National Laboratories Critical Infrastructure
Modeling and Simulation Group. Found at: http://www.sandia.gov/nisac/docs/IERCO6JEa.pdf
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Figure 19: Katrina and Rita Impact on Monthly Natural Gas Production and Demand
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While there is a somewhat surprising lack of evidence of even local utility curtailments after Katrina and
Rita (likely owing to the natural gas system’s flexibility and redundancy along the Gulf Coast as visible in
Figure 11) an additional note is worth making: winter 2005-2006 was extraordinarily warm-—
“the winter that never was.” Had cold weather occurred or occurred early (the natural gas market tends
to react more strongly in the early part of the season), the reduced storage inventories might well have
caused curtailments to utilities in the Northeast, Midwest, and mid-Atlantic. FERC staff’'s 2005 — 2006
winter assessment worried about how tight supply could magnify price effects.'*
above $10 per MMBtu until well into the winter based on fear that cold weather would prove too much
for fragile supply to withstand. As shown in Figure 20, by Bidweek ending January 2006 the market
recognized that temperature conditions to date had left enough gas in storage to get through any
lingering cold and prices finally fell below double digits; by the summer of 2006, prices were back to
their pre-hurricane levels. Without that warm weather, we undoubtedly would have a very different
view of the industry’s ability to withstand the kind of damage caused by Katrina and Rita. Should
electric utilities replace coal-fired generation with natural gas, they will not want to rely on warm
weather providing a silver bullet should major storms cause damage that reduce production and prevent

Spot prices stayed

filling of natural gas storage.

9 October 20, 2005 Winter Energy Market Assessment, Found at: http://www.ferc.gov/market-oversight/mkt-

views/2005/10-20-05.pdf.
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Figure 20: Katrina and Rita Impact on Natural Gas Prices
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Based on the evidence, the major impact borne by natural gas
users as a result of Gulf coast storms appears to be a price
impact — an impact that would be felt more severely as the
proportion of electricity generated with natural gas increases. strong hurricanes requires
The severe supply disruption after Katrina and Rita did not further study, particularly if
result in a broad inability to obtain natural gas. Whether this coal-fired generation has to
result would obtain in a market half again or nearly twice as switch to natural gas.

large (as might occur if coal-fired plants switched to gas) is

unclear.  Moreover, whether deliveries to specific the

locations of those plants could be maintained is also unclear. The ability to get natural gas to specific

locations after strong hurricanes requires further study, particularly if coal-fired generation switches to
natural gas.'®

The ability to get natural gas
to specific locations after

2% some readers may wonder if the six-month drilling moratorium on OCS deepwater drilling related to the

Deepwater Horizon accident will have an impact on production. It should not reduce current production because
it affects only the drilling of the well prior to production. “Workover” drilling is still permitted. A workover is
drilling done to an existing well to enhance production or fix a problem in an otherwise producing well rather than
a new well. The drilling moratorium applies to only 33 rigs.
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Staff Expansion

Some electric utilities burn natural gas today to generate electricity. Many, however, do not burn
natural gas to generate electricity or burn a relatively small quantity, meaning they don’t have in-house
expertise in natural gas operations, regulatory issues or markets. Coal, for example, is typically
purchased under long-term contracts in a market in which prices are stable. Gas isn’t. Even those
utilities that today burn gas are likely to find their staff facing expanded responsibilities as they scale up
their operations. The new or expanded activities an electric utility would likely face include:

*  Monitor Market Conditions

* Assess Gas Requirements and Plan Operations to Minimize Electricity Cost/Maximize Reliability
*  Purchase Natural Gas, Transportation and Storage

*  Submit Daily Gas Nominations and Manage Imbalances

* Manage Risk (i.e., hedge)

* Monitor and Participate in Regulatory Cases Related to Natural Gas

* Manage Contract Execution, Accounting and Settlement

To some degree utilities may rely on joint action agencies or contract out for certain services. For a
relatively small utility, it probably takes three people to conduct these activities. Costs for a staff that
size, including salaries, benefits and overhead, might amount to $1 million per year. For a bigger utility
it would take more. Professional fuel managers might contract to manage fuel for a power project often
charge 1 to 5 cents per MMBtu. They wouldn’t cover quite the full range of services listed above; their
offering is more the daily nomination and imbalance effort. Using that 1 to 5 cents per MMBtu as a
starting point proxy for the cost electric generators might face to manage their gas supply, for a 14 Tcf
incremental gas burn, works out a range of $140 million to $700 million per year. Over twenty years and
allowing for a ramp up over the first five years yields an estimated gas management cost of $2.5 to
$12.6 billion cumulatively; somewhere past the mid-point of that range is $8 billion.
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Summary Observations Related to Operational Considerations

1. The Gas Day does not link up well with the Electricity Day, meaning that gas
nominations have to be submitted many hours before electric dispatch decisions
are made.

2. Even relatively slight changes in temperature and humidity conditions can cause a
gas nomination that was “right” when made to end up causing an imbalance
anyway.

3. Some pipelines have “no bump” rules that mean a firm shipper who doesn’t
nominate to use all of its available capacity can effectively lose it if an interruptible
shipper in the same nomination window requests it.

4. Ontario’s NGEIR proceeding resulted in the creation of innovative services to make
it easier for electric generators to match their gas nominations with their use.

5. Pipeline balancing provisions vary considerably pipe-to-pipe.

6. State rules determining priority of service if there is not enough gas supply are all
over the map but generally preserve service to residences first.

7. Not all LDC tariffs include priority of service rules.

8. As of 2005, very few states had looked at the impact to electricity generation from
a natural gas curtailment, but many state commissions knew that generators tend
to not hold firm interstate pipeline capacity.

9. Roughly 10 states said they require electric generators who subscribe to
interruptible LDC service to have alternate fuel back-up capability.

10. Greater reliance on natural gas to generate electricity means states need to revisit
their curtailment rules and utilities will need to revisit their pipeline MDQs.

11. Strong hurricanes that cause damage to above-ground and sub-sea gas facilities in
the Gulf can shut-in as much as 20% of U.S. gas supply.

12. The severe natural gas supply disruption after Katrina and Rita did not result in a
broad inability by consumers to obtain natural gas but it significantly increased
prices and impeded the ability to fill storage in advance of winter. The ability to
get natural gas after strong hurricanes requires further study, particularly if coal-
fired generation is switched to natural gas.

13. Electric utilities will need to expand or create gas savvy staffs that can plan and
manage all of the activities associated with burning natural gas to generate
electricity.

14. Electric utilities will not want to rely on warm weather providing a silver bullet
should hurricanes or other storms cause damage that reduce production and
prevent filling of natural gas storage.
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Retrofitting Coal Plants to Burn Natural Gas

The electricity industry can theoretically switch to natural gas by either retrofitting existing coal-fired
units to burn natural gas or by closing the coal plants and replacing them with new gas-fired plants. Our
research uncovers no instances of coal plant retrofits to natural gas (we did find some references to
retrofits to allow firing of biomass converted to charcoal-like pellets). One can find headlines and press
reports about “switching” or “converting” to natural gas but upon reading closely it becomes clear that
the conversion will in fact be implemented by replacing the coal-fired unit and not by retrofitting it.

Legislatures in Minnesota and Colorado, for example, are reported to have either passed or are
considering bills supporting conversion of coal-fired units to natural gas. The Minnesota legislature, in
2001, passed a bill providing that any utility that “converted” from coal to gas could pass the costs

through to ratepayers without review of the proposed rate

change.™® Xcel Energy subsequently proposed spending $1

The idea of retrofitting or

repowering coal-fired plants to
burn gas turns out to be a
misnomer. Retrofitting or

billion to “convert” some plants to gas. What Xcel actually
did was build 1100 MW of new combined cycle gas-fired
generation at the sites of existing coal-fired plants located in

converting coal-fired
generation to gas may be
technically feasible, but most
conversions are accomplished
by replacing the coal unit with
a completely new gas-fired
unit at the same site.

Minneapolis and Saint Paul.’”> Colorado has a similar bill
before its legislature this year supporting so-called
conversion but reviewing the details reveals that the plants
Xcel owns there would likely either be retrofit to burn
biomass or be replaced with natural gas combined cycle
units. Even the Minnesota Public Utilities Commission

decision approving the Xcel investment referred to the

change as a “conversion” before proceeding to explain that
the coal unit would be replaced by a new gas unit. In short, the idea of retrofitting or converting a coal-
fired plant to burn natural gas is a misnomer; proposals to convert are nearly always plans to completely

replace the coal-fired generation with a new gas-fired unit at the same location.

In 2008, the Government Accountability Office (GAO) delivered a report looking at the economics of
converting the U.S. Capitol complex from coal to natural gas and discussing various aspects of doing so

2! Minnesota Statutes § 216B.1692. The Minnesota Pollution Control Agency’s report to the Minnesota Public
Utilities Commission can be found at:
http://www.pca.state.mn.us/publications/reports/xcelenergy-metroemissionproposal.pdf.

122 These were the High Bridge and Riverside plants. The Riverside “Repowering Project” consisted of retiring
three existing coal burning boilers and repowering steam turbine 7 by adding two gas-fired combustion turbines
(CTs) each with a heat recovery steam generator (HRSG). The new CTs and HRSGs were constructed where the
original Riverside Units 1-5 once stood. At High Bridge, Xcel demolished the coal plant, removing boilers, turbine-
generators and auxiliary systems including buildings and foundations and termination of all linear facilities but
retained the existing water supply and return from the river.
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for the country as a whole.’?

The GAO reported that not only is switching all coal-fired generation to
gas infeasible because insufficient natural gas supply and the impracticality of adding the additional gas
industry infrastructure required to do so but that retrofits of existing coal-fired plants to allow them to
burn gas made no sense: “it would be more feasible and cost-effective to construct new natural gas
units or to dispatch excess capacity at existing natural gas units than to convert a coal plant because of

7124 GAO further stated that the switching from
125

technical and economic factors, among other reasons.
coal to gas that has been done has not been done via retrofits but by building new gas-fired plants.

A study performed in 2000 by the Interlaboratory Working Group on Energy-Efficient and Clean-Energy
Technologies for the U.S. Department of Energy’s Office of Energy Efficiency and Renewable Energy
considered the economics of retrofitting coal-fired generation to burn gas versus greenfield NGCC
construction. It found the “all-in” cost from the repowered unit to be between a half-cent per kWh to
one cent per kWh, depending on the unit’s capacity factor. It concluded: “[gliven the other
uncertainties in repowering a plant this cost differential is not sufficient to choose repowering over
greenfield."126

In terms of retrofitting specifics, the boilers designed to burn coal are different from the ones designed
to burn gas. Retrofitting would involve installing a new combustion system and a new heating surface.
Due to these changes, the retrofitted unit would operate at a lower rate of efficiency, which GAO cites
as 10 to 12 %."”” Some other pieces of the coal-fired station could potentially be re-used, subject to an
engineering review of their operating condition, in either a retrofit or a new combined cycle
replacement. These include:

a) the existing steam cooling infrastructure;

b) the existing linear structures to the site such as for water, sewer and transmission, although new
interconnections would need to be made within the site;

c) the existing administrative and control buildings including phone and internet access (but the
main computer control systems (including SCADA) would likely be replaced if not updated
recently and would have to be revised to match the new unit);

d) the existing road access and security infrastructure;

e) the existing safety/emergency infrastructure consisting of fire water tanks, emergency
generators and fire pump engines;

f) the existing onsite switchyard or substation; and potentially

g) the existing emission stack(s), unless it has to be replaced to meet the new EPA NOx hourly
NAAQS.

123 GAO, “Implications of Switching from Coal to Natural Gas,” GAO-08-601R, May 1, 2008. Found at:

http://www.gao.gov/new.items/d08601r.pdf

124 GAO, op. cit., pp. 5-6.

GAO, op. cit., p. 16

Interlaboratory Working Group, “Scenarios for a Clean Energy Future,” Oak Ridge National Laboratory and
Lawrence Berkeley National Laboratory, ORNL/CON-476 and LBNL-44029, November 2000, p. E-7.4.

127 GAO, op. cit., p. 15

125
126
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Another potential obstacle to retrofitting existing coal units to burn gas, as pointed out in the GAO
study, is that some coal-fired units are essential to local reliability and reserve margins. They cannot be
taken out of service for the four to six months required to do the retrofits as doing so would leave
certain geographic areas with insufficient system reserves, leading to brownouts or blackouts. GAO did
not identify what those locations are but further study to identify them would likely be useful.

In terms of economics, the installed cost for a new combined-cycle gas-fired unit of 1000 MW is the

128 Accordingly, the estimated first order cost to

range of $1 Billion, or roughly $1 million per MW.
replace the existing 335,000 MW worth of coal-fired generation in the U.S. is roughly $335 Billion—for
the power plant only. In other words, the cost of the additional natural gas infrastructure such as long
distance transmission pipelines and storage that this study has discussed that would be needed to serve
massive replacement of coal-fired generation with natural gas would be on top of the construction cost
for the plant itself. This figure also does not include any environmental remediation or plant
decommissioning costs (or savings) for the coal-fired unit being replaced; there may also be SOx or NOx
or carbon credit values or lower water costs to take into account. The $1 million per MW would,
however, include the cost to construct short service laterals to a high pressure gas transmission mainline
assumed to be nearby.’”® Locating replacement natural gas plants at the site of the existing coal-fired
generation makes the most sense since the site would already have transmission to deliver its generated
energy into the power grid. It would also have access to water and a rail line (the rail line right-of-way

could well be used to locate the bigger lateral pipeline that

will be required to deliver gas to the site).
The installed cost to replace

the existing coal-fired fleet is The cost estimate above does not include that outstanding
approximately $335 Billion - debt service on existing coal units that would need to
before adding the new gas continue to be paid or recovery of investment from

infrastructure or paying for the
annual services needed to
support those plants.

ratepayers in coal-fired facilities done on utility balance
sheets that may remain to be recovered. Many utilities have
outstanding debt or unrecovered costs for coal-fired units
that may have been built years ago. Power plants, regardless
of whether they belong to an investor-owned utility, a municipal utility or an electric co-operative, are
routinely financed over 20- or 30-year periods.”° Based on data reported to EIA, about 30% of the U.S.
coal-fired fleet is 30 or fewer years old. Other plants have made retrofits for pollution control
technology that may have been financed. To the extent that utilities have outstanding debt service

128 EIA used in its AEO 2010 an “overnight” installed cost for natural gas combined cycle plants of $984 per kW, in

$2008. See Table 8.2, “Assumptions to the Annual Energy Outlook 2010.” Found at:
http://www.eia.doe.gov/oiaf/aeo/assumption/pdf/electricity.pdf#fpage=3

2 Most gas-fired power plant construction estimates include the cost of a short service lateral out to a mainline
as part of the capital cost. If the service lateral were longer or if a compressor were needed to bump the pressure
up for the gas turbine or if no high pressure transmission mainline were nearby, then the capital costs would
increase further. Note that this estimate does NOT include the annual fixed costs to reserve interstate pipeline
capacity, LDC capacity, storage service, or the cost of increased personnel or services to manage all of the above.
B9 some utilities might pay off the debt on their plants more quickly than 20- to 30-years, but there are also
examples of plants being refinanced past that timeframe, including instances when the utility may have invested in
control technology for one pollutant or another and financed that cost.
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obligations, they are not simply a “sunk” cost but must be paid in current time from utility cash flow.
The need to complete paying off this debt and the impact on utility cash flow is rarely highlighted but
needs to be recognized as part of the cost of potentially replacing the coal-fired fleet. Moreover, the
first order estimate above further assumes that only the existing fleet is “converted;” it does not include
the cost of power plants that must be built to meet future load.

Modifying the coal plant to burn gas or building a new gas-fired unit will also require new or revised
permits in the areas of air, water, and waste. According to internal Aspen staff and outside experts,
challenges in getting those permits will be site-specific and depend on the scope of changes made at the
project site.

With respect to solid waste, retirement of a coal plant would not impose any federal requirements
today unless environmental contamination subject to the Comprehensive Environmental Response,
Compensation, and Liability Act (Superfund) were present. States may have solid waste permits or
regulatory requirements, however. The coal ash rule recently proposed by EPA, however, may add a
new obligation to obtain a Resource Conservation and Recovery Act permit to close the on-site ash
management unit and trigger facility-wide corrective action to remediate any solid waste contamination
within the facility fence line. Note that building a new NGCC at the site does not necessarily require
retirement and abandonment of the existing coal-fired unit; the plant could instead be closed and
allowed to stand for some period of time.

Revised or new water permits will depend on whether the physical changes to the facility are sufficiently
wholesale that the facility is deemed to create a “new source” of wastewater or a “new facility” for the
intake cooling water. This could occur with respect to waste water effluent, if, for example, the site uses
a waterbody that has been listed as impaired for one or pollutants discharged by a “new source.”
Alternatively, if the cooling water intake structure has to be changed significantly such as to limit the
design velocity through the intake screens or the proportion of the source waterbody that may be
withdrawn, those changes could be enough to create a “new facility.” EPA also has rules that would
limit flows at “new facilities” to levels consistent with wet re-circulating cooling.

Air permits for a natural gas-fired facility under existing regulation are well-known to be easier to obtain
than for a coal-fired unit. SO, as one example, is little problem for gas-fired power plants because most
sulfur is removed from natural gas in a processing plant relatively near the wellhead. Yet there are at
least three air permit issues that mean converting to natural gas a) may not be as simple as it appears,
and b) that create additional costs not included in the $335 billion NGCC construction cost estimate
presented herein that should be recognized nonetheless.

First, consider particulate matter (PM). To the extent that the size of the new gas-fired unit is larger
than the coal-fired unit that it replaces or that it operates in more hours, particulate emissions may be
higher than for the coal-fired unit the gas unit replaces. Standards for PM2.5 have become increasingly
stringent, forcing more parts of the U.S. into nonattainment, which triggers more-stringent permitting
requirements, like offsets. Controlling NOx with the selective catalytic reduction introduces ammonia
emissions, which may be subject to limits or monitoring, because ammonia is a primary component in
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forming PM2.5 as ammonium sulfate and ammonium nitrate particles. Achieving accurate and reliable
PM data during emissions monitoring and stack testing is also a challenge. The unit facing these issues
would then incur additional costs to achieve PM compliance.

Second, EPA finalized a new National Ambient Air Quality Standard (NAAQS) for nitrogen dioxide (NO,).
The rule created a new 1-hour standard for ambient NO, at 100 parts per billion.™*
NGCCs may be compliant independent of current background emissions, but the background ambient

The concern is that

NO, levels will be determined by monitors placed near highways. This will force urban areas into
nonattainment and trigger more stringent permitting requirements for NGCCs. EPA’s list of counties
that would be in nonattainment (found at: http://www.epa.gov/air/nitrogenoxides/actions.html) is
conservative as the rule requires the new dispersion monitors to be placed in more counties where
monitors do not exist and near highways where NO, emissions would be higher. Alternatively, if the
NGCC is sited in an NO, nonattainment county, emission offsets and/or use of some sort of control
equipment not currently envisioned or higher stack may be needed. Those costs are not included in this
study’s estimates of the cost to replace coal-fired generation with new natural gas combined-cycle units.
Figure 21 illustrates the potential configuration of an NGCC relative to property lines, a highway and
dispersion model receptor grid under the proposed 1-hour NOx standard.

Third, is the great unknown of how CO, will be regulated and what CO, emissions standard could apply.
As long as the Clean Air Act regulates CO, and GHGs, Best Available Control Technology (BACT)
requirements at power plants will force some type of controls on CO, emissions. The EPA PSD “Tailoring
Rule” (May 2010) did not alleviate this regulatory requirement for fossil-fuel fired utilities. Also,
combustion of natural gas emits only half as much CO, as coal, but if those emissions are regulated plant
by plant (instead of by utility portfolio), it is unclear whether CO, control would occur under New Source
Performance Standards (NSPS) or BACT. Utilities today don’t know if that will include some type of
emissions or performance standard potentially set near or below the emissions of an NGCC or a
requirement that can only be met with geologic sequestration (assuming geologic sequestration is
demonstrated to be commercially feasible and deployable) or something else. That cost of compliance
is also currently unknown for geologic sequestration at coal plants or natural gas plants.

Another issue just emerging now is potential regulation of hydrochloric acid (HCI). EPA currently plans
to regulate HCl from smaller combustion units under the Industrial and Commercial Boiler Maximum
Available Control Technology (MACT) requirement. EPA has not proposed any HCI limit for utilities
burning natural gas; however, the proposal for the smaller combustion units leaves utilities reluctant to
assume that they will not eventually have to add equipment for HCI MACT, notwithstanding being
unsure what that equipment would be or what MACT for HCl even means. The point is that some
expectation should be made for future compliance obligations.

31 See Docket ID: EPA-HQ-OAR-2006-922. INGAA filed written comments that the one-hour standard “could

require emissions levels beyond the capability of current control technologies.”
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Figure 21: Dispersion Model Receptor Grid Used for Proposed EPA 1-hour NOx NAAQS
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Conclusion

The purpose of this study is to inform current and future users of natural gas and policy makers what to
expect should much greater reliance on natural gas to generate electricity become a reality. This could
happen if Congress enacts new laws or EPA adopts new rules to regulate greenhouse gas emissions. In
addition, the costs to comply with other regulations (shown in Figure 4) EPA may adopt to reduce levels
of other pollutants from electricity generating sources is already pushing many electric utilities to
consider switching to natural gas. In this study, Aspen evaluated the projected quantity of gas that
could need to be burned by electric generators under several potential scenarios. Aspen also identified
the operational issues and natural gas infrastructure investment that would be required to support
much higher gas burns.

Comparing and contrasting the projected gas burns from those studies that have evaluated potential
economy-wide cap and trade programs to reduce greenhouse gas emissions is informative. Some of the
studies assume geologic CCS will be available; some not. Some add nuclear generation; some don’t.
Most increase Renewables in the resource mix but it becomes clear that even at 20% Renewables and
low load growth (as in Duke CCPP, for example), no new nuclear power leaves only CCS and low load
growth as the tools to reduce carbon emissions. The comparison highlights the fact that the resource
mix assumptions made in these studies with respect to load growth, nuclear generation, CCS,
Renewables and access to offsets — assumptions that may not be achievable — drive the resulting natural
gas burn. Aspen’s own analysis developing additional scenarios suggests a need to burn roughly twice
as much natural gas as today if carbon emissions were regulated. And if regulation of carbon and other
pollutants lead electric utilities to switch potentially all existing coal-fired generation to gas, then the
additional gas burn also ends up close to 14 Tcf, or roughly double today’s 6.9 Tcf. The new gas burn
plus that plus burned by existing gas-fired resources would cause virtually as much natural gas as is
burned today in the entire economy to be used for electricity generation alone. In some states the
current amount of natural gas consumed would be double or triple the amount delivered to that state
today.

The need for additional natural gas infrastructure to deliver that higher quantity of natural gas is
addressed in a recent comprehensive study by ICF for the INGAA Foundation. The INGAA study found a
need for $108 billion worth of new pipeline capacity even if demand for natural gas declined owing to
the fact that new supply would come from new basins needing new inter-regional delivery capability.
That study’s Base Case projected $129 billion. Scaling up to replace all existing coal-fired plants implies
a need to build more than 70 Bcf per day of new delivery capability costing $348 billion. Additional
storage would be necessary, too, costing perhaps $12.5 billion. Gathering and processing facilities of
another roughly $40 billion would also be necessary.
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Figure 22: Total Cost to Implement Switch from Coal to Natural Gas

Source: Compiled by Aspen

The capital cost to replace the 335,000 MW of existing coal-fired units with new combined-cycle gas-
fired units amounts to $335 billion. This cost plus the natural gas infrastructure improvements
combines to total over $700 billion should natural gas need to fully displace coal-fired generation, the
breakdown of which is shown graphically in Figure 22. Costs of this magnitude suggest that natural gas
must be more than a bridge fuel because utilities are not likely to invest in and financial institutions are
not likely to finance this magnitude of investment other than on a long-term basis. Moreover, some
debt service on plants less than 30 years old (representing 30% of the existing coal-fired fleet) likely
remains outstanding. Utilities must make these payments out of current cash flow; estimates of these
costs as well as costs for the new NGCCs to comply with additional emissions regulation should be
included in the total cost to switch from coal to natural gas.

Electric utilities that today may not have gas-fired resources in their resource mixes will have a lot to
adjust to as they switch to gas, or, similar to Ontario, will need help convincing the natural gas industry
to adjust its policies as more natural gas is used to generate electricity. Many pipelines do not offer
services customized to serve electric generators whose usage changes more frequently than pipelines
prefer. New services will need to be developed and the two industries will need to become much more
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aligned in their common practices. In addition, states will likely need to review their curtailment policies

and think about how gas-fired electricity generation fits into a priority of service order so that electricity
generated with so much natural gas does not become less reliable.
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